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1. Introduction and Summary 

This report presents the results of the Best Available Retrofit Technology (BART) analysis of 
the BART-eligible sources at the Weyerhaeuser Corporation’s (Weyerhaeuser) facility in 
Longview, Washington.  

BART guidelines were established as a result of U. S. Environmental Protection Agency 
(EPA) regulations intended to reduce the occurrence of regional haze in national parks and 
other Class I protected air quality areas in the United States (40 Code of Federal Regulations 
[CFR] Part 51).1 The BART program is a major component of the regional haze rules. Under 
the guidelines, emission units that were constructed between 1962 and 1977 and that, when 
combined, emit more that 250 tons per year of visibility-impairing pollutants (particulate 
matter [PM], sulfur dioxide [SO2], or nitrogen oxides [NOx]), are subject to a BART controls 
analysis if it is determined that the combined emissions from the subject sources cause or 
contribute to regional haze in any mandatory Class I area. A facility is considered to cause 
regional haze if the emissions result in a visibility impact greater than 1.0 deciview, and the 
facility is considered to contribute to regional haze if the visibility impact is above 
0.5 deciview or some other level established by EPA or the Washington State Department of 
Ecology (Ecology).  

Weyerhaeuser owns and operates a large forest products facility in Longview, Washington, 
with major emission units that began operation after 1962 and were in operation in 1977. 
These emission units include the No. 10 Recovery Furnace, the No. 10 Smelt Dissolver Tank, 
and the No. 11 Power Boiler. These units have the combined potential to emit more than 
250 tons per year of PM, SO2, or NOx, so these emission units and activities are BART-
eligible. Other emission units and operations that were constructed during this period 
(including several components of the secondary effluent treatment plant) are negligible 
sources of these visibility-impairing pollutants. Other emission units and operations at 
Weyerhaeuser’s Longview facility were constructed either before 1962 or after 1977 and are 
therefore not subject to the BART program.  

Ecology has developed Guidelines for Best Available Retrofit Technology Determination under the 
Federal Regional Haze Rule (June 12, 2007) to determine whether sources need to conform to 
BART requirements. In addition, Ecology, the Oregon Department of Environmental 
Quality, and Idaho Department of Environmental Quality, in coordination with the U.S. 
Fish and Wildlife Service, National Park Service, U.S. Forest Service, and EPA Region X 
have developed the “Modeling Protocol for Washington, Oregon, and Idaho: Protocol for 
the Application of the CALPUFF Modeling System Pursuant to the Best Available Retrofit 
Technology (BART) Regulation” (October 11, 2006). Both of these documents were 
consulted during development of this report. 

                                                            

1 40 CFR Part 51: Regional Haze Regulations and Guidelines for BART Determinations; Final Rule. 70 Federal Register, 
39103-39172, July 6, 2005. 
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This report describes the BART-eligible emission units and their emissions, discusses the 
modeling approach, and presents the results. This report shows that the BART-eligible 
emission units currently employ BART and that the emissions from the units probably do 
not cause regional haze but may contribute to regional haze in nearby Class I areas.  
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2. Emission Units and Emissions 

The No. 10 Recovery Furnace, the No. 10 Smelt Dissolver Tank, and the No. 11 Power Boiler 
emission units at Weyerhaeuser’s Longview facility started operation after August 7, 1962, 
were in operation on August 7, 1977, and have the potential to emit more than 250 tons a 
year of SO2 and NOx; therefore, they are BART-eligible.  

According to Section 2.4 of the Modeling Protocol, fugitive dust sources at a distance greater 
than 10 kilometers (km) from any Class I area are exempt from the analysis. The closest 
Class I area is more than 10 km from the Longview plant. Therefore, fugitive emissions from 
material handling were not considered in the modeling analysis.  

The Longview facility has several emission units that were constructed before 1962 or after 
1977, and these units are not included in the BART evaluation.  

The following pollutants from the BART-eligible emission units potentially affect visibility 
in Class I areas:  

• SO2 
• Sulfates (SO4) 
• NOx 
• Coarse particulate matter (PMC) (particulate matter less than 10 micrometers [µm] in 

aerodynamic diameter [PM10], but greater than 2.5 µm in aerodynamic diameter) 
• Fine particulates matter (PMF) (less than 2.5 µm in aerodynamic diameter [PM2.5]) 
• Elemental carbon (EC) 
• Secondary organic aerosols (SOA) 

While other pollutants may have a very small impact on visibility, those impacts have not 
been quantified and therefore other pollutants will not be considered. In addition, many 
control options result in reduction of more than one pollutant. For example, generally 
reduction of one component of PM, such as EC, also results in reduction of both PMF and 
PMC.  

No. 10 Recovery Furnace and Smelt Dissolver Tank  
The No. 10 Recovery Furnace is a B&W low-odor kraft recovery furnace that was installed 
in 1975 (see Figure 2.1). The furnace was upgraded in 1995 when a third stage was added to 
the precipitator. The furnace was also up graded to high concentration black liquor firing in 
2002. The furnace is capable of producing approximately 808,000 pounds of steam per hour 
and burning approximately 270,000 pounds of black liquor solids (BLS) per hour. No. 6 fuel 
oil is use to supplementary fuel particularly during startup, shutdown, and malfunctions. 
The associated smelt dissolver tank has a scrubber for particulate control.  
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No. 11 Power Boiler  
The No. 11 Power Boiler is a Foster Wheeler Spreader-stoker type boiler and was installed in 
1976. It has a nominal capacity of 580,000 pounds of steam per hour. At the 64.23 percent 
design efficiency of converting heat input to steam, it has a heat input of 1,016 million 
British thermal units per hour (MMBtu/hr). The primary fuels for the boiler are hog fuel, 
coal, wastewater treatment plant sludge, and No. 6 fuel oil. The fuel oil is primarily used for 
startup, shutdown, and malfunctions.  

The No. 11 Boiler Upgrade Project, completed in late 2006, improved boiler operating ability 
to meet variable site steam demand while firing high moisture, high ash content fuels by 
upgrading the overfire air (OFA), fuel feed, and emission control systems. A summary of 
average operating rates before and after the Upgrade Project is presented in Table 2.1.  

Emission rates 
Weyerhaeuser determined the “maximum emission day” for each BART pollutant (NOx, 
SO2, and PM) during the 2003 to 2005 baseline period. Daily emissions rates of NOx and SO2 
were determined from continuous emission monitors on both the No. 10 Recovery Furnace 
and the No. 11 Power Boiler; hence, there is a high level of confidence in the measured rates. 
Daily speciated PM emissions rates were estimated from daily operating rate data using 
time-variable emission factors derived from the most recent quarterly Method 5 stack test. 
Consequently, there is a relatively high confidence level in the daily particulate emissions 
rate estimates.  

FIGURE 2.1 NO. 10 RECOVERY FURNACE WITH ESP 
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TABLE 2.1 
No. 11 Power Boiler Upgrade Project 

Parameter Units 

Pre-
Project 

Baseline 2007 

Change: 
2007 value 

vs. 
Baseline 

Percent 
Change: 

2007 value 
vs. Baseline 

Steam Rate 1000 lbs/hr 371 413 42 11% 

Fuel Heat Input (from steam and 
design efficiency) MMBtu/hr 652 724 72 11% 

Hog Fuel Tons/hr 21.4 20.8 -0.6 -3% 

Coal Tons/hr 6.8 9.7 2.8 41% 

Sludge Tons/hr 6.6 6.9 0.3 4% 

Fuel Oil Gallons/hr 11.5 17.4 5.8 50% 

Hog Fuel % Heat input 56.4% 49.9% -6.6% -12% 

Coal % Heat input 25.9% 33.2% 7.4% 28% 

Sludge % Heat input 17.4% 16.5% -0.9% -5% 

Fuel Oil % Heat input 0.3% 0.4% 0.1% 37% 

 

“Maximum emission day” for each BART pollutant was the maximum daily BART-source 
emissions rate during the baseline period for days reflecting “steady state operating 
conditions during periods of high capacity utilization,” excluding emissions during startup, 
shutdown and malfunction periods. Section 2.4 of the BART Modeling Protocol states “the 
emission estimates used in the models are intended to reflect steady-state operating 
conditions during periods of high capacity utilization.” These emissions should not 
generally include startup, shutdown, or malfunction emissions.  

Therefore the emissions during low operating rate, non-steady state operations, startup, 
shutdown, and malfunction conditions were not considered in determining the maximum 
emission rates for modeling.  

During steady state, high rate operations, the No. 10 Recovery Furnace emissions are low 
for the amount of black liquor fired, with typical emission concentrations less than 1 part 
per million (ppm).  

For steady state, high rate days during the baseline period, the maximum emission day for 
NOx was June 8, 2003, when the sum of NOx emissions rates from the three BART-eligible 
units was 648 pounds per hour (lbs/hr). Similarly, November 27, 2004 was the steady-state, 
high rate day with the highest BART source SO2 emissions, at an emissions rate of 
346 lbs/hr. On that day, the No. 10 Recovery Furnace SO2 emissions were lower than 
average at 2 lbs/hr, yet for all three BART sources combined, this was the highest SO2 
emissions rate day for the baseline period. Finally, June 17, 2003 was the maximum 
emissions day for PM10, with an emissions rate of 91 lbs/hr. Accordingly, for the baseline, 
total BART pollutant emissions modeled were 1,085 lbs/hr.  
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Defining “maximum emission day” on a pollutant-by-pollutant basis over estimates the 
actual BART-eligible emissions during the baseline period. In actual operation, maximum 
emissions of the BART pollutants did not occur on the same day. The steady state, high rate 
baseline day with the highest total BART pollutant emissions was June 28, 2003. On that 
day, emissions rates were: 633 lbs/hr NOx; 171 lbs/hr SO2; and 85 lbs/hr PM10; for a total 
BART pollutant emission rate of 889 lbs/hr, significantly lower than the 1,085 lbs/hr used 
for baseline modeling.  

It should be noted that for the No. 10 Recovery Furnace, emissions of NOx and SO2 tend to 
be inversely related. That is, under high load NOx emissions tend to be high and SO2 
emissions tend to be low due to good combustion and sulfur recovery. The majority of the 
annual SO2 emissions from the Recovery Furnace are from non-steady state operations 
during startup and shutdown periods, when sulfur recovery efficiency is poor. In contrast, 
during these high SO2 emission periods, NOx emission rates are low because of low flue gas 
flow rates.  

Note that the annual average SO2 emission rate from the No. 10 Recovery Boiler is about 
11 lbs/hr. Most of the annual average emissions derive from periods of low utilization rate 
(low liquor firing periods), or startup, shutdown, and malfunctions. As described 
previously those conditions should not generally be modeled. Also consider that 11 lbs/hr 
is very small and almost insignificant compared to the boiler’s NOx emission rate of over 
200 lbs/hr on the highest emitting day or the No. 11 Power Boiler’s emission rates of over 
300 lbs/hr each for NOx and SO2 on the highest emitting days. Hence, even using the 
maximum SO2 emission rate for the Recovery Furnace alone was used, the SO2 emissions 
would be small compared to the others and it would not be reflective of steady-state 
operating conditions during periods of high capacity utilization as required by the BART 
Guideline.  

It is also important to note the relationship between the No. 10 Recovery Furnace and the 
No. 11 Power Boiler. The No. 10 Recovery Furnace is tied directly to the kraft mill process, 
and normally operates at steady rate at or near full steaming rate (800 to 850 thousand 
pounds of steam per hour). This maximizing pulping liquor chemical recovery rate and 
satisfies the majority of site steam demand. Under these conditions, the No. 11 Power Boiler 
and the other power boiler supply the remainder of the site steam requirement, operating as 
“swing” boilers to match varying site steam demand. However, when the No.10 Recovery 
Furnace is shut down or operating at low rate, the No. 11 Power Boiler is operated as a 
baseload boiler, steaming at a high and steady rate. Consequently, the No. 11 Power Boiler 
emissions rates are highest under conditions when the No. 10 Recovery Furnace emissions 
are lowest.  

Table 2.2 presents the highest BART-source emissions day for each BART pollutant during 
steady state operation. These were the values used for modeling in Weyerhaeuser’s BART 
evaluation, and were also provided to EPA Region X for their regional haze modeling. 
Table 2.3 presents the highest BART-source emissions day for each BART pollutant during 
steady state operation. These were the values used for modeling in Weyerhaeuser’s BART 
evaluation, and were also provided to EPA Region X for their regional haze modeling. On 
June 28, 2003, the No. 11 Power Boiler was running hard due to increased steam demand, 
while the No. 10 Recovery Furnace slowed to approximately 90 percent of the target rate. 
Smelt Dissolver operation integrated with No. 10 Recovery Furnace. These values represent 
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the maximum actual BART pollutant emission day for the BART source during steady state, 
high rate operations in the baseline period. In Weyerhaeuser’s view, these were the most 
appropriate values for use in modeling baseline visibility impacts. However, based on 
feedback from EPA and Ecology regarding the modeling protocol, baseline modeling was 
instead done using the maximum emission day for each BART pollutant. Thus the “baseline 
actual” emission values used in modeling were substantially higher than actual emissions 
that occurred during any actual day of the 2003 to 2005 baseline period. 
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TABLE 2.2 
Individual BART Pollutants: Highest BART-Source Emission Day for Each BART Pollutant (NOx, SO2, and Each PM-10 Fraction)* 

BART Unit 
NOx 

(lbs/hr) 
SO2 

(lbs/hr) 
TSP 

(lbs/hr) 
EC 

(lbs/hr) 
PMF 

(lbs/hr) 
PMC 

(lbs/hr) 
CPM 

(lbs/hr) 
SOA 

(lbs/hr) 
SO4 

(lbs/hr) 
NSIA 

(lbs/hr) 

Total 
PM10 

(lbs/hr) 
Total 

(lbs/hr) Comment: 
Date 6/8/03 11/27/04 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 06/17/03    
No. 11 Power 
Boiler 426 344 63 9 31 8 15 12 3 0 63 834 Multifuel swing boiler 
No.10 Recovery 
Furnace 222 2 15 0 7 3 12 2 4 6 22 261 

Kraft recovery 
furnace 

Smelt Dissolver n/a n/a 5 0 4 0 1 0 0 1 6 11 
Integrated with No.10 
Recovery 

Sum 648 346 83 9 43 11 28 14 8 6 91 1,085  
* At steady state operating conditions, not including startup, shutdown or malfunction. 
NOx = Nitrogen oxides. 
SO2 = Sulfur dioxide. 
TSP = Total Suspended Particulate, also known as "front half catch." Emission rates calculated from quarterly source test emission factors and daily production rates. 
EC = Elemental Carbon; filterable PM2.5. present as elemental carbon. 
PMF = Fine Particulate Matter; Filterable particulate < PM2.5, excluding. 
PMC = Coarse Particulate Matter; Filterable PM10 > PM2.5. 

CPM = Condensable Particulate Matter, also known as “back half catch.” Emission rates calculated from quarterly source test emission factors and daily production rates. 
SOA = Secondary Organic Aerosol; CPM present as organic compounds. 
SO4 = Sulfate; CPM present as sulfur oxides. 
NSIA = Non-SO4 Inorganic Aerosol; CPM that is neither organic or sulfate. 
"Total PM10" includes both filterable PM10 (EC, PMF, and PMF) and CPM (SOA, SO4, and NSIA). 
n/a = not applicable 
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TABLE 2.3 
All BART Pollutants: Highest BART-Source Emission Day for the Sum of all BART Pollutants* 

BART Unit 
NOx 

(lbs/hr) 
SO2 

(lbs/hr) 
TSP 

(lbs/hr) 
EC 

(lbs/hr) 
PMF 

(lbs/hr) 
PMC 

(lbs/hr) 
CPM 

(lbs/hr) 
SOA 

(lbs/hr) 
SO4 

(lbs/hr) 
NSIA 

(lbs/hr) 

Total 
PM10 

(lbs/hr) 
Total 

(lbs/hr) Comment: 

No.11 Power 
Boiler 430 169 59 8 30 8 14 11 3 0 60 659 

No.11 running hard 
with No.10 slowed 

No.10 Recovery 
Boiler 203 2 13 0 7 2 11 2 4 5 20 238 

No.10 Recovery at 
approximately 
90 percent target 
rate 

Smelt Dissolver n/a n/a 5 0 3 0 1 0 0 1 5 10 
Smelt Dissolver tied 
to No.10 Boiler 

Sum 633 171 77 9 40 11 26 13 7 6 85 889   
* At steady state operating conditions, not including startup, shutdown or malfunction. 
NOx = Nitrogen oxides. 
SO2 = Sulfur dioxide. 
TSP = Total Suspended Particulate, also known as "front half catch". Emission rates calculated from quarterly source test emission factors and daily production rates. 
EC = Elemental Carbon; filterable PM2.5. present as elemental carbon. 
PMF = Fine Particulate Matter; Filterable particulate < PM2.5, excluding. 
PMC = Coarse Particulate Matter; Filterable PM10 > PM2.5. 

CPM = Condensable Particulate Matter, also known as "back half catch.” Emission rates calculated from quarterly source test emission factors and daily production rates. 
SOA = Secondary Organic Aerosol; CPM present as organic compounds. 
SO4 = Sulfate; CPM present as sulfur oxides. 
NSIA = Non-SO4 Inorganic Aerosol; CPM that is neither organic or sulfate. 
"Total PM10" includes both filterable PM10 (EC, PMF, and PMF) and CPM (SOA, SO4, and NSIA). 
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3. Control Technology Analysis  

No. 10 Recovery Furnace  
Particulate Matter Control  
Recovery furnaces recover pulping chemicals, such as sodium and sulfur, and energy from 
the nonfiber components of wood chips, such as sugars. Recovery furnaces are designed 
and operated in a manner so as to ensure the presence of high levels of sodium fumes in 
order to capture the SO2 produced as a result of oxidation of reduced sulfur compounds. 
Consequently, uncontrolled recovery furnace flue gases contain high levels of PM. 

Particulates generated in the recovery furnace mainly comprise sodium sulfate, with lesser 
amounts of sodium carbonate and sodium chloride. Similar potassium compounds are also 
generated, but in much lower amounts. Trace amounts of other metal compounds (for 
example, magnesium, calcium, and zinc) can be present. A significant portion of the 
particulate material is submicron in size, which makes removal with additional add-on 
control devices more difficult. Increasing liquor firing density (measured in tons per day per 
square foot [ton/day/ft2]) increases recovery furnace particulate loading. Other factors such 
as bed and furnace temperature, liquor solids, liquor composition, and air distribution also 
affect uncontrolled particulate emissions from recovery furnaces. 

The No. 10 Recovery Furnace currently has an electrostatic precipitator (ESP) to control PM 
emissions and PM10 emissions limits of 0.027 grains per dry standard cubic foot (gr/dscf) at 
8 percent oxygen (O2) on an average of three 1-hour runs and an annual average of 
0.020 gr/dscf at 8 percent O2. Both of these limits are contained in an Ecology-Ordered 
Prevention of Significant Deterioration (PSD) permit (PSD92-03 Amendment 4). The PM 
emissions also comply with the National Emission Standards for Hazardous Air Pollutant 
(NESHAP) for pulp mill combustion sources in 40 CFR 63.862(a)(1)(A) for existing sources 
of 0.044 gr/dscf at 8 percent O2. The new source performance standard (NSPS) for kraft 
recovery furnaces (40 CFR 60.282 (a)(1)(i)) is also 0.044 gr/dscf; however, the No. 10 
Recovery Furnace is not required to comply with that standard.  

The modeled baseline emission rates for PM are shown in Table 3.1.  

About 66 percent of the solid particulate is less than 10 µm in diameter, about half is less 
than 2.5 µm in diameter, and more than half of the total PM10 is condensable particulate. 
Therefore, any control device that would have a significant impact on visibility would have 
to reduce fine particulate or condensable particulate.  
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TABLE 3.1 
No. 10 Recovery Furnace Modeled Emission Rates (June 17, 2003) 

TSP 
(lbs/hr) 

EC 
(lb/hr) 

PMF 
(lbs/hr) 

PMC 
(lbs/hr) 

CPM 
(lbs/hr) 

SOA 
(lbs/hr) 

SO4 
(lbs/hr) 

NSIA 
(lbs/hr) 

Total PM10 
(lbs/hr) 

15 0 7 3 12 2 4 6 22 

TSP = Total Suspended Particulate, also known as "front half catch". Emission rates calculated from quarterly source test 
emission factors and daily production rates. 
EC = Elemental Carbon; filterable PM2.5. present as elemental carbon. 
PMF = Fine Particulate Matter; Filterable particulate < PM2.5, excluding. 
PMC = Coarse Particulate Matter; Filterable PM10 > PM2.5. 

CPM = Condensable Particulate Matter, also known as "back half catch.” Emission rates calculated from quarterly source 
test emission factors and daily production rates. 
SOA = Secondary Organic Aerosol; CPM present as organic compounds. 
SO4 = Sulfate; CPM present as sulfur oxides. 
NSIA = Non-SO4 Inorganic Aerosol; CPM that is neither organic or sulfate. 

"Total PM10" includes both filterable PM10 (EC, PMF, and PMF) and CPM (SOA, SO4, and NSIA). 

Step 1: Identify All Available Retrofit Control Technologies  
Available control technologies include the following: 

• Fabric filters 
• Dry ESP 
• Wet ESP 
• Wet scrubber 
• Venturi scrubber 

A review of EPA’s Reasonably Available Control Technology (RACT), Best Available 
Control Technology (BACT), lowest achievable emission rate (LAER) Clearinghouse (RBLC) 
showed 24 determinations for particulate in the last 15 years, and the only particulate 
control technology listed was ESP. The RBLC lists emission limits for constructed units 
between 0.009 gr/dscf at 8 percent O2 to 0.044 gr/dscf at 8 percent O2, with only two 
determinations listed that were more stringent than 0.02 gr/dscf.  

Step 2: Eliminate Technically Infeasible Options  
The particulate leaving a recovery furnace is in a very sticky and hydroscopic form that 
makes a fabric filter an infeasible option.  

The particulate emissions from the No. 10 Recovery Furnace are currently controlled by a 
high-efficiency ESP with emissions that average less than 0.02 gr/dscf. The particulate 
leaving the final stage of the ESP is very fine particulate or condensable particulate. A low-
pressure drop wet scrubber would not be effective on either form of particulate. Therefore, 
it can be eliminated on the basis of technical infeasibility.  

Wet ESPs have not been demonstrated to operate on a kraft recovery furnace; therefore, they 
can be considered technically infeasible. Venturi scrubbers have been installed on kraft 
recovery furnaces, but the RBLC does not list any installations in the last 15 years because 
they are not as efficient at removing the fine particulate as an ESP. However, a venturi 
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scrubber may be effective in removing condensable particulate; therefore, both an ESP and a 
venturi scrubber are considered technically feasible.  

Step 3: Evaluate Cost-Effectiveness of Remaining Control Technologies  
To evaluate the cost-effectiveness of the feasible technologies, the procedures in EPA’s Air 
Pollution Control Cost Manual, sixth edition (EPA/424/B-2-001, January 2002) were followed. 
As suggested in Ecology’s Guidelines for Best Available Retrofit Technology Determination under 
the Federal Regional Haze Rule (June 12, 2007), a useful equipment lifetime of 10 years and an 
interest rate of 7 percent were used in the cost estimate. Appendix A shows the detailed cost 
estimates of the two technologies. A retrofit cost factor of 1.5 was applied because of the 
considerable cost that would be involved in retrofitting the existing facility, the extra duct 
work, and possible modifications to the fan system that would be required. In addition, the 
current stack may not be able to accommodate a wet plume from a scrubber.  

The greatest emission rate during the baseline period (2003 to 2005) was used to determine 
the amount of particulate removal. Because both types of control equipment will follow the 
existing ESP, a collection efficiency of 50 percent was assumed; however, because an ESP 
cannot collect condensable particulate, the emission estimate was based on TSP shown in 
Table 3.1 (15 lbs/hour, 65.7 tons/year, 32.8 tons/year at 50 percent additional control). The 
venturi scrubber was assumed to be able to collect 50 percent of both the TSP and the 
condensable particulate (15 lbs/hour + 12 lbs/hour = 27 lbs/hour, 118.3 tons/year, or 
59.1 tons/year at 50 percent control). 

Table A-1 in Appendix A shows that the additional cost of removing a ton of PM by adding 
another field to the existing high-efficiency ESP is about $122,000. Similarly, the cost of 
removing an additional ton of PM and condensable PM by adding a venturi scrubber would 
be about $28,000; however, this cost does not include treating the waste liquor from the 
scrubber.  

Weyerhaeuser has concluded that both these costs are economically infeasible.  

Step 4: Evaluate Impacts and Document the Results  
The only additional emission control options that are technically feasible are economically 
infeasible. The current emission rate is consistent with or more stringent than all but one or 
two recent recovery furnace BACT determinations; therefore, the current level of emission 
control is proposed as the BART. 

SO2  

SO2 is produced in a kraft recovery furnace as a result of oxidation of sulfur during 
combustion of the black liquor and other fuels. The recovery furnace is designed to recover 
a vast majority of the sulfur in the smelt. However, under some conditions, small amounts 
of sulfur are emitted in the form of SO2. The amount emitted depends on many factors 
including the concentration of sulfur in the fuel, the excess air in the combustion zone, 
furnace design, and furnace load.  

The No. 10 Recovery Furnace currently has a BACT permit limit of 75 ppm at 8 percent O2. 
The RBLC lists BACT SO2 limits ranging from 20 ppm to over 200 ppm, with most of the 
recent determinations in the 50 to 100 ppm at 8 percent O2 limit (see Appendix A, Table 
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A-2). All the BACT determinations are based on furnace design, operation, fuels, and 
combustion controls. None of the determinations list add-on flue gas desulfurization (FGD) 
as a control method. 

As shown in Table 3.2, the maximum SO2 emissions from the recovery furnace on the 
“maximum emission day” during the baseline years were 2 lbs/hr or about 9 tons per year.  

TABLE 3.2 
Maximum Emission Day 

 
NOx 

(lbs/hr) 
SO2 

(lbs/hr) 
Date 6/8/03 11/27/04 

No.11 Power Boiler 426 344 

No.10 Recovery Boiler 222 2 

Smelt Dissolver n/a n/a 

NOx = Nitrogen oxides 
SO2 = Sulfur dioxide 

n/a = not applicable 

 

Step 1 (SO2): Identify All Available Retrofit Control Technologies  

Sulfur controls can be classified in three major categories:  

• Combustion or process controls  
• Dry controls  
• Wet controls 

As stated previously, inherent with the design and operation of the recovery furnace, sulfur 
is recovered and the current SO2 limit on the No. 10 Recovery Furnace is well within the 
normal range of the BACT. Therefore, it is unlikely that further reduction of SO2 emissions 
could be attained through modification or addition to the existing combustion and process 
controls.  

Dry controls generally involve injection of caustic material before the particulate control 
device. Under this procedure, the SO2 reacts with the caustic material and the new solid is 
collected by the particulate control device.  

Wet controls generally involve adding a caustic scrubber after the particulate control device. 
As stated previously, none of these control options have been required as the BACT for kraft 
recovery furnaces.  

Step 2 (SO2): Eliminate Technically Infeasible Options 

Although combustion and process controls are technically feasible, the current level of 
combustion controls is within the range that is generally considered BACT, and additional 
combustion controls may significantly interfere with the operation of the recovery furnace. 
Therefore, additional combustion controls are considered technically infeasible.  

The primary purpose of a recovery furnace is to recover chemicals used in the kraft pulping 
operation. The chemicals are recovered either as smelt at the bottom of the furnace or as 
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particulate in the particulate collection system. Injecting a caustic material into the flue gas 
before the particulate control device would significantly degrade the quality of the smelt or 
the particulate collected; hence, dry injection is not technically feasible.  

Wet controls are technically feasible; however, wet scrubbers have never been used on a 
recovery furnace primarily for the purpose of SO2 control. A few scrubbers on recovery 
furnaces are used for particulate control or heat recovery.  

Step 3 (SO2): Evaluate Control Effectiveness of Remaining Control Technologies 

The only technically feasible control technology is some type of add-on wet scrubber. At 
most, such a scrubber would reduce SO2 emissions from the recovery furnace by 9 tons per 
year. Such a scrubber could be installed in conjunction with an add-on particulate scrubber 
as previously described. The cost-effectiveness of a particulate scrubber alone would be 
about $28,000 per ton, assuming the removal of 59 tons of particulate per year. Removing an 
additional maximum 9 tons of SO2 per year would bring the cost-effectiveness down to 
$24,000 per ton. This does not include the cost of reagent, mixing and spraying equipment, 
or the additional waste disposal.  

Because an add-on wet scrubber would cost more than $24,000 per ton removed, 
Weyerhaeuser considers it to be economically infeasible. Weyerhaeuser has concluded that 
wet scrubbing, the only technically feasible control option, is economically infeasible. 

Step 4 (SO2): Evaluate Impacts and Document the Results  

The only emission control option for SO2 that is technically feasible is economically 
infeasible. Therefore, the current level of emission control is proposed as BART.  

NOx  

Compared to coal- or residual oil-fired boilers of similar capacity, NOx emissions from kraft 
recovery furnaces are generally quite low. These low NOx emissions are due to several 
factors inherent to kraft recovery furnace operations and include the following:  

• Low nitrogen concentrations in most “as-fired” BLS (generally less than 0.2 percent)  

• Recovery furnace NOx formation resulting predominantly from “fuel NOx” 
mechanisms (insufficient temperatures for “thermal NOx” formation)  

• The highly staged combustion design of recovery furnaces  

• The existence of sodium fumes that might participate in “in-furnace” NOx reduction or 
removal 

The No. 10 Recovery Furnace complies with a 140 ppm NOx at 8 percent O2 PSD limit 
(PSD92-03 Amendment 7). There are no current NSPS or maximum achievable control 
technology (MACT) standards for NOx from kraft recovery furnaces. The RBLC contains 
BACT emission limits ranging from 80 ppm to 150 ppm at 8 percent O2 for recovery 
furnaces that have been built (see Appendix A, Table A-3).  
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Step 1 (NOx): Identify All Available Retrofit Control Technologies  

The only control technologies that have been demonstrated to be available are staged 
combustion and good combustion controls. The No. 10 Recovery Furnace already uses those 
technologies.  

The dual purposes of the No. 10 Recovery Furnace are to recover inorganic pulping 
chemical for reuse in the pulping process, and to generate steam and power from the firing 
of concentrated black liquor in the furnace. The No. 10 Recovery Furnace air system has 
been effectively optimized to achieve these dual purposes, achieving very efficient 
conversion of BLS into recovered pulping chemical while achieving efficient and fuel 
combustion. The furnace is designed and operated to produce chemically reducing 
conditions in the lower furnace for efficient recovery of inorganic pulping chemical, while 
maintaining oxidizing conditions in the upper furnace to achieve full and complete 
combustion of the concentrated BLS fired. The addition of combustion air has been fine-
tuned to balance these reducing and oxidizing functions, while optimizing thermal 
efficiency by adding only the amount of combustion air needed to assure complete 
oxidation of organic and reduced sulfur compounds.  

As shown in Figure 3.1 (below), No. 10 Recovery Furnace delivers primary, secondary and 
tertiary combustion air into the boiler firebox. Tertiary air was added in 1995 when the 
lower section of the Recovery Furnace was replaced. Primary and secondary air systems 
include air pre-heating, while tertiary air is at ambient temperature.  Primary, secondary 
and tertiary air ports are located roughly 17, 28 and 63 feet above ground level, respectively.  
This air inlet distribution generates a reducing zone between the primary and secondary air 
ports, a drying zone between the secondary and tertiary air ports (this is also the section 
where concentrated black liquor is sprayed into the firebox), and an oxidizing zone in the 
upper firebox between the tertiary air ports and the boiler screen tubes.   

Adding a fourth stage would again require placing a new section in the Recovery Furnace.  
There is not likely enough room within the furnace between the tertiary air port and the 
start of the boiler tubes to add a fourth stage of combustion; hence, the furnace would have 
to be rebuilt and the upper section raised.  This would likely require rebuilding the entire 
boiler and boiler building.   

Fine tuning recovery furnaces are very complex operations with many trade-offs. For 
example, as explained in response to the emissions of NOx and SO2 tend to be inversely 
related. Hence, fine tuning the furnace operation to reduce NOx emissions would likely 
significantly increase SO2 emissions. There is also a very complex relationship between low 
end furnace temperature, NOx formation, SO2 formation, sulfur recovery, and other furnace 
operating conditions.  

Finally, the No. 10 Recovery Furnace’s current NOx emissions performance indicates that 
combustion air is already well tuned, in comparison with emissions from fossil fueled 
boilers equipped with staged combustion for NOx control. In 2007, NOx emissions from the 
No. 10 were approximately 0.125 pound per million Btu of fuel heat input 
(0.125 lb/MMBtu). This emission rate is lower than the lowest “presumptive BART” level 
established for any type of coal fired Electric Generating Unit, and less than half the NSPS 
Subpart Db standard for boilers firing residual oil.  
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Figure 3.1 - Diagram of No. 10 Recovery Boiler showing staged combustion air ports & boiler tubes 

  

There are currently no known recovery furnaces that have selective noncatalytic reduction 
(SNCR) or selective catalytic reduction (SCR) installed and operating; hence, such 
technology has not been demonstrated in practice, either for new or for existing units. There 
are several complex issues that need to be resolved before SNCR can be considered as a 
feasible control technology for recovery furnaces. Primary among the reasons is that 
recovery furnaces are designed to recover chemicals, mostly sodium and sulfur. Generating 
steam is a secondary aspect of a recovery furnace. SNCR requires injection of ammonia or 
urea into the furnace within a specific temperature range. Existing furnaces, such as the one 
in Longview, would require significant modifications in the upper sections to allow for the 
necessary injection ports. In addition, the long term impacts on the chemical recovery 
process of injecting ammonia or urea have not been studied and need to be thoroughly 
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evaluated before such technology can be consider feasible. Other factors that need to be 
evaluated before SNCR can be considered feasible include the wide swings in the firing 
rates that most recovery furnaces, such as the No. 10, have and the need for multiple 
injection ports to address those wide swings; and the interaction between ammonia and the 
other chemicals in the recovery furnace; such as, chlorine, sodium, and sulfur. 

SCR like SNCR requires a reaction between the exhaust gas and ammonia or urea. Unlike 
SNCR, SCR does not require chemical injection into the recovery furnace, but relies on a 
catalyst to facilitate the reaction between ammonia and urea at a lower temperature. There 
are no known cases where SCR has even been attempted on a pilot scale on a recovery 
furnace. Of great concern is the likelihood of catalyst poisoning by the alkali particulate that 
recovery furnaces generate if the SCR system is installed before the ESP; and in the case of 
the No. 10 Recovery Furnace, there is a lack of space between the furnace outlet and the ESP 
and lack of ground space for the SCR system. Installing the SCR system after the ESP would 
also have concerns about catalyst poisoning and would require reheating the exhaust gas.  

These are valid questions but they remain unanswered in practice, since SCR has not been 
employed for NOx control on any new or existing Recovery Furnace. As stated previously, 
the process of alkali contamination of the catalyst need considerable study before SCR could 
be considered feasible for a recovery furnace.  

Step 2 (NOx): Eliminate Technically Infeasible Options 

Staged combustion is technically feasible.  

Step 3 (NOx): Evaluate Control Effectiveness of Remaining Control Technologies 

The current staged combustion technology emission control technology has been identified 
as the best available. 

Step 4 (NOx): Evaluate Impacts and Document the Results 

The current level of emission control is proposed as the BART. 

No. 10 Smelt Dissolver Tank  
As with the recovery furnace, particulate emissions from smelt dissolver tanks mainly 
comprise sodium compounds with much lesser amounts of potassium compounds and 
other trace metal compounds. The dominant compound is sodium carbonate, followed by 
sodium sulfate. The emissions of NOx and SO2 are negligible from smelt dissolver tanks; 
hence, no control options need to be considered. Roughly 90 percent (by weight) of the 
particles have equivalent aerodynamic diameters under 10 µm, and 50 percent have 
diameters under 1 µm. Most smelt tank particulate emissions are controlled by wet 
scrubbers, many of which are wetted fan scrubbers that are very effective in removing fine 
particulate. A dry ESP is infeasible as an option because of the high moisture content of the 
gases. The wet scrubber also serves to control total reduced sulfur (TRS) compound 
emissions through pH control; therefore, replacing it with a wet ESP is not an option as 
there would be a negative environmental impact from increased TRS emissions. As noted 
for other kraft mill sources, MACT II Implementation in 2004 has also resulted in 
significantly reduced allowable PM emissions from smelt dissolving tanks.  



BART EXEMPTION MODELING REPORT, WEYERHAEUSER LONGVIEW 

WEYCO BART 30JUNE08.DOC 19 

The No. 10 Smelt Dissolving Vent at Longview currently has a high-efficiency wet scrubber 
that complies with the EPA MACT II standard (40 CFR 63.862 Subpart MM) of 0.20 pound 
per ton (lb/ton) of BLS. The unit also complies with a PM10 limit of 0.120 lb/ton BLS 
contained in Ecology’s issued PSD 92.03 Amendment 4. The RBLC’s most stringent limit for 
a smelt vent that has been built is 0.120 lb/ton BLS2.  

Step 1: Identify All Available Retrofit Control Technologies  
Since various forms of PM are the BART pollutants emitted from a smelt tank, only the 
following particulate control technologies are considered:  

• Fabric filters 
• Dry ESP 
• Wet ESP 
• Wet scrubbers 

Step 2: Eliminate Technically Infeasible Options  
The exhaust gases from smelt vents have high moisture contents and are typically saturated. 
Therefore, dry control options such as fabric filers and dry ESPs are not technically feasible. 
A wet ESP might be technically feasible for some smelt vents; however, in this case it would 
have to be added after the existing scrubber because Weyerhaeuser relies on the existing 
scrubber to control total reduced sulfur compound emissions through pH control. 
Therefore, replacing it with a wet ESP is not an option.  

Step 3: Evaluate Control Effectiveness of Remaining Control Technologies  
Because the current limit is more stringent than the MACT standard and it is consistent with 
the most stringent PM standards that have been achieved in practice for smelt vents, a limit 
of 0.12 lb/ton of BLS is determined to be the BART.  

No. 11 Power Boiler  
The No. 11 Power Boiler is a spreader stoker boiler that burns primarily hog fuel and 
wastewater treatment plant dewatered sludge, with supplementary low-sulfur western coal. 
No. 6 fuel oil is also burned, but only during startup, shutdown, and malfunction. The rated 
capacity of the boiler is 575,000 lbs/hr of steam. However, the boiler seldom operates at 
peak steaming rate, as it functions as a swing boiler, varying its steaming rate to match the 
mill’s fluctuating steam demand. Actual average steam generation rate over the 2003 to 2005 
baseline period was 366,000 lbs/hr, and through the first 11 months of 2007 was 
408,000 lbs/hr. The modeled baseline (2003 to 2005) emission rates used in the BART 
exemption modeling are summarized in Table 3.3.  

The emission control systems were upgraded in 2006. Before then, the only emission 
controls were multiclones and a gravel bed scrubber for particulate. These were replaced in 
2006 with a new set of multiclones and an ESP for particulate control. Trona injection was 
added for SO2 control. An OFA system was also installed. 

                                                            

2 The RBLC identifies a permit for a mill in Apple Grove, West Virginia, with a limit of 0.11 lb/ton BLS; however, that pulp 
mill has never been built and there are no plans for building it. Therefore, the limit has not been demonstrated in practice.  
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The No. 11 Power Boiler is equipped with continuous emission monitoring systems (CEMS) 
for NOx and SO2. 

 
TABLE 3.3 
No. 11 Power Boiler Modeled Emission Rate* 

 NOx SO2 TSP EC PMF PMC CPM SOA SO4 NSIA Total 

Date 6/8/03 11/27/04 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 

Amount 
(lbs/hr) 

426 344 63 9 31 8 15 12 3 0 63 

* Consistent with the BART Rule Guidelines (40 CFR Part 51 Appendix Y), modeled emission rates for each pollutant were actual daily 
emission rates for the highest emission day for the BART source during the baseline period and during steady-state operating conditions 
during periods of high-capacity utilization. 
NOx = Nitrogen oxides 
SO2 = Sulfur dioxide 
TSP = Total Suspended Particulate, also known as "front half catch.” Emission rates calculated from quarterly source test emission factors and 
daily production rates. 
EC = Elemental Carbon; filterable PM2.5. present as elemental carbon. 
PMF = Fine Particulate Matter; Filterable particulate < PM2.5, excluding. 
PMC = Coarse Particulate Matter; Filterable PM10 > PM2.5. 

CPM = Condensable Particulate Matter, also known as "back half catch. Emission rates calculated from quarterly source test emission factors 
and daily production rates. 
SOA = Secondary Organic Aerosol; CPM present as organic compounds. 
SO4 = Sulfate; CPM present as sulfur oxides. 
NSIA = Non-SO4 Inorganic Aerosol; CPM that is neither organic or sulfate. 

"Total PM10" includes both filterable PM10 (EC, PMF, and PMF) and CPM (SOA, SO4, and NSIA). 

Particulate Matter Control  
Particulate matter will consist of noncombustible material, unburned fuel, condensible 
organic matter, and secondary aerosol. The emission rate is typically influenced by the 
condition of the fuels, velocity of underfire air through the grate, and completeness of the 
combustion reactions. 

The current particulate limit is 0.050 gr/dscf at 7 percent oxygen, volume basis 
(at 7 percent O2/v/v). The boiler is also subject to a new source performance standard for 
particulate of 0.10 lb/MMBtu of fuel energy input on a higher heating value basis. 

Particulate emission control on the No. 11 Power Boiler during the 2003 to 2005 baseline 
period consisted of two stages of multiclones followed by a gravel bed scrubber. The 
particulate emission control was upgraded in late 2006 by replacing this equipment with a 
single stage of multiclones followed by a four-field ESP. The ESP supplier guaranteed 
removal efficiency of 98.4 percent of the particulate entering the ESP, or a maximum outlet 
concentration of 0.020 gr/dscf. These values correspond to an inlet concentration of 
1.25 gr/dscf, which is in the middle of the range of 1.0 to 1.5 gr/dscf that the supplier 
identifies as the Design Basis. The actual performance of the ESP is much better than the 
guarantee. In five quarterly performance tests performed since ESP startup, the outlet 
concentration has been measured at less than 0.01 gr/dscf.  
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A search of the RBLC found one boiler with a limit of 0.0064 gr/dscf, but the controls had 
not yet been installed as of the entry date and the percent O2 at which the particulate 
concentration was to be determined was not stated. However, there were several boilers 
with emission limits as low as 0.02 lb/MMBtu. This limit is approximately equivalent to a 
concentration of 0.01 gr/dscf at 7 percent O2. As previously noted, the actual performance 
test data from the ESP have shown that the particulate concentration is less than this level.  

Step 1 (Particulate Matter Control): Identify All Available Retrofit Control Technologies  

Available control technologies include the following: 

• Fabric filters 
• Dry ESP 
• Wet ESP 
• Wet scrubber 
• Venturi scrubber 
• Cyclonic collectors 

Step 2 (Particulate Matter Control): Eliminate Technically Infeasible Options  

Baghouses and ESPs are equally effective at removing PM and are considered the most 
effective and efficient control technologies. However, ESPs are much less of a potential fire 
hazard. Therefore, we only considered an additional stage to the ESP.  

Step 3 (Particulate Matter Control): Evaluate Control Effectiveness of Remaining Control 
Technologies  

Dry ESPs have approximately the same level of control effectiveness as fabric filters. In 
general, the control efficiency will range from 95 to 99.9 percent depending on the details of 
the control design and on the characteristics of the particulate. Based on the existing ESP 
demonstrated performance of less than 0.07 gr/dscf at 7 percent O2, which is equivalent to 
an approximately 99.2 percent collection, efficiency is being achieved. The additional 
particulate collection that could be achieved by adding an ESP field or a baghouse would be 
very small and the cost would be substantial. The site is very constrained and there would 
not be adequate space for the addition of a new ESP field or a baghouse and the associated 
ductwork without major rework of the existing layout. It would also probably require 
replacement of the existing stack. The addition of another ESP field or baghouse would be 
economically infeasible. 
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Step 4 (Particulate Matter Control): Evaluate Impacts and Document the Results  

We will not need to evaluate impacts of options since we will assume that we have BART in 
operation now. 

SO2  
SO2 is produced by combustion of the sulfur in the fuels. Most of the fuel sulfur is contained 
in the coal, even though it is low-sulfur western coal. The wastewater sludge also 
contributes a significant amount, roughly 80 percent of the amount contributed by the coal 
on a long-term basis. The other primary fuel (hog fuel) has minimal sulfur. The No. 6 fuel oil 
used during startup, shutdown, and malfunction has up to 2 percent sulfur, but it emits 
minimal SO2 on a long-term basis because of its limited use.  

The No. 11 Power Boiler currently has an SO2 limit of 1,000 ppm by volume (ppmv) at 7 
percent O2 (Washington Administrative Code [WAC] 173-405-040(11)(b)). There are also SO2 
limits in the applicable new source performance standard (40 CFR 60.43(a)) that vary from 
0.80 to 1.2 lb/MMBtu depending on the type(s) of fuel being combusted. 

The coal used in the No. 11 Power Boiler is low sulfur bituminous coal from the Powder 
River Basin. Since late 2007, coal is supplied by Rio Tinto Energy, from the Spring Creek 
Coal Mine located southeast of Billings, Montana. For shipments in 2007, sulfur content 
varied from 0.37 to 0.48 percent (dry basis). Spring Creek’s sulfur content is lower than the 
previous coal supply (from Bull Mountain Mine), but it also has lower fuel heating value 
and higher sodium content, which has resulted in boiler downtime due to scaling and 
pluggage problems. Weyerhaeuser and Rio Tinto recently agreed to a three-year contract 
stipulating that Spring Creek will supply all the mill’s coal, unless their coal causes 
excessive boiler operability problems.  

Bull Mountain Mine near Billings, Montana, had supplied coal for Longview for the last 
several years, until mine operations shut down in late 2007. Bull Mountain’s coal sulfur 
content had ranged from 0.5 to 0.9 percent (dry basis).  

Weyerhaeuser is not aware of lower sulfur coal supply options for the Longview mill.  

From 2003 to 2007, annual sludge firing has ranged from 56,000 to 60,000 dry tons per year. 
Sludge sulfur content is not routinely monitored, but periodic tests from 1990 to the present 
have shown sludge sulfur content to be approximately 0.3 to 0.4 percent (dry basis). There is 
no known process for reducing the sludge sulfur content.  

In this discussion of fuel sulfur content, it is worth noting that the No. 11 Boiler’s flue gas 
SO2 emission rate is less than the fuel sulfur feed load, and the percentage of fuel sulfur 
emitted as SO2 is affected by other characteristics of the fuel feed streams. A good portion of 
the sulfur is captured and removed in the bottom ash and flyash, due to the presence of 
alkaline metal components in the fuel feed streams. This has been noted at many 
combination fueled boilers and is described in the National Council for Air and Stream 
Improvements’ (NCASI) Technical Bulletin No. 640, “Sulfur Capture in Combination Bark 
Boilers.” The amount of sulfur retention in the boiler ash streams is affected by the ratio of 
sulfur to alkaline components in the fuel feed streams, and the alkaline ash content of the 
sludge feed stream is considerable in comparison with the sludge sulfur content. The 
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percent of sludge sulfur emitted as SO2 has not been quantified for the No. 11 Boiler, 
because there are many operating variables that make it difficult and costly to perform a 
sulfur mass balance in the boiler. However, it is clear that when firing sludge in the boiler, 
the SO2 emissions increase is substantially lower than would be seen if all the sludge sulfur 
were emitted as SO2.  

The modeled baseline SO2 emission rate was 344 lbs/hr, based on actual emissions on 
November 27, 2004. (The No. 11 Boiler SO2 emissions averaged 161 lbs/hr during the 
emissions baseline period.) There was no SO2 emission control in place during this period.  

A dry sorbent injection system (using the mineral Trona as the sorbent) was installed along 
with the particulate emission control equipment upgrades in late 2006. It is clear that the 
Trona system reduces SO2 emissions, although it has been difficult to quantify the Trona 
system’s SO2 control effectiveness because of the variable steaming rate and the difficulty of 
monitoring the sulfur content of the varying fuel mix. Additionally, research (NCASI 1978, 
1993) has shown that fly ash from bark combustion will result in significant internal capture 
of SO2. Therefore, the amount of SO2 in the flue gas at the Trona injection point cannot be 
determined by a fuel sulfur mass balance, because a significant portion of the SO2 may have 
already reacted with the alkaline hog fuel ash. System trials performed during 2007 
indicated SO2 removal rates of 30 to 60 lbs/hr. As a result, the boiler has been able to run at 
increased steaming and coal firing rates without a significant increase in SO2 emissions. 
Through the first 11 months of 2007, the No. 11 Boiler SO2 emissions averaged 
approximately 164 lbs/hr (approximately 0.23 lb/MMBtu).  

Step 1 (SO2): Identify All Available Retrofit Control Technologies  

Sulfur controls can be classified in three major categories:  

• Fuel sulfur content control 
• Dry controls  
• Wet controls (scrubbers and spray dryers)  

SO2 is generated from the oxidation of the fuel sulfur. Therefore, reducing the sulfur content 
of the fuel will reduce SO2 emissions.  

Dry controls consist of injecting a dry substance into the gas stream, which reacts with the 
SO2. The reacted product is then removed in the downstream particulate. The existing Trona 
injection system is a dry control system. Trona is injected into the duct between the boiler 
and the ESP. SO2 reacts with the Trona and is removed from the flue gas stream as 
particulate in the ESP. The dry sorbent injection system did not have a BACT review. 
Ecology determined that the project was not subject to BACT because there was not an 
increase in emissions from the project. 

The purpose of the dry sorbent injection system was to provide enough SO2 control to 
ensure that an increase in the No. 11 Power Boiler steaming rate, with a proportional 
increase in fuel heat input rate and fuel sulfur loading, would not result in a significant SO2 
emission increase. Accordingly, to accommodate a maximum annual steaming rate increase 
of approximately 33 percent, the Trona system was designed to remove 25 percent of the 
predicted precipitator inlet SO2 load at the increased operating rate.  
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The electrostatic precipitator vendor, PPC, also supplied the Trona Dry Sorbent Injection 
system. PPC’s emission control design was based on the requirement to remove 25 percent 
of inlet SO2, at a projected inlet SO2 load of approximately 88 ppmv and 180 lbs/hr. Given 
the stoichiometric Trona demand of 2.635 pounds Trona per pound of SO2, the theoretical 
Trona demand for removing 45 lbs/hr of SO2 is 119 pounds of Trona per hour. PPC 
estimated actual Trona demand would be approximately 150 lbs/hr. This assumed Trona 
effectiveness at SO2 removal would be about 80 percent of the theoretical value, taking into 
account other acid gases (such as HCl, H2SO4, and NO2) competing with SO2 for reaction 
with the Trona, and some unreacted Trona passing through the system. They accordingly 
selected a storage tank, mill, and blower system capable of delivering 200 lbs/hr of milled 
Trona to the inducted draft (ID) fan inlet duct.  

Weyerhaeuser has conducted several trials attempting to determine SO2 removal 
effectiveness of the Trona system. The best results were from a 3-day trial in July 2007. 
Estimated Trona effectiveness was 0.176 pound of SO2 removed per pound of Trona injected 
(5.7 pounds Trona required per pound of SO2 removed). This is roughly 50 percent of the 
maximum theoretical effectiveness, somewhat lower than PPC’s design estimate of 
80-percent theoretical effectiveness.  

Trona was the sorbent material recommended by PPC, the precipitator vendor, as the 
simplest and most cost-effective means of achieving the control requirements of the Boiler 
Upgrade Project. Equipment requirements were simple, requiring only a storage tank, mill 
and blower system to inject the milled sorbent directly into the existing flue gas ductwork 
upstream of the ID fan. Vendor information showed that Trona provides similar acid gas 
removal performance to sodium bicarbonate, at roughly half the price. Finally, although the 
literature shows that the ratio of Trona feed to SO2 load increases exponentially as control 
efficiency requirements increase, the studies also showed that Trona can be used effectively 
(in terms of SO2 removed per pound of Trona injected) for systems with modest control 
efficiency requirements. 

Wet controls consist of scrubbing the flue gas stream with a caustic solution (typically 
limestone, lime, or sodium hydroxide) or injecting a caustic slurry into spray dryer vessel, 
which is followed by a particulate collector.  

Step 2 (SO2): Eliminate Technically Infeasible Options 

Control of fuel sulfur content is technically infeasible. Fuel oil with lower sulfur content 
could be purchased, but this would require switching to a lighter, lower viscosity fuel oil 
grade. The lighter fuel oil grades have very different handling properties than No. 6 fuel oil. 
Many components of the existing fuel oil system would have to be converted or replaced to 
support the lighter, lower viscosity fuel oil grade. The existing oil burners would need to be 
replaced, and the burner flame safety management controls reprogrammed. New pumps 
and much of the existing fuel oil piping would have to be replaced to satisfy lower 
tolerances for fuel leaks as a result of lower viscosity and higher flammability. Currently, 
the No. 6 bunker fuel oil used at all the boilers is stored in a 30,000-barrel tank. Spill 
containment for this tank is provided by earthen berms and a gravel ground surface. This 
provides adequate containment for the thick, viscous bunker fuel oil, but would not contain 
spills of lighter fuel grades. Since this tank serves all the boilers, conversion of the existing 
tank to lighter fuel oil service for the No. 11 Boiler would affect fuel costs at all the boilers as 
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well. Given the small amount of fuel oil used on an annual basis, the overall reduction in 
annual SO2 emissions would be negligible.  

The coal used is low-sulfur western coal, which typically has the minimum amount of sulfur 
of any available coals in the United States. Hog fuel contains minimal sulfur. The 
wastewater sludge has sulfur as a byproduct of the process, and it is not able to be 
controlled. Beneficial use of the sludge as a fuel is a waste minimization practice preferable 
to landfilling because it recovers the material’s fuel value and minimizes the waste weight 
and volume destined for landfill (dry ash vs. wet sludge). Therefore, fuel sulfur content 
control is considered to be technically infeasible. 

Hydrated lime would not be feasible with the No. 11 Power Boiler, because the dry sorbent 
is injected just ahead of the ID fan, utilizing the fan for mixing, and hydrated lime would be 
expected to plate out on the ID fan blades, posing a threat to reliable boiler operation and 
worker safety. The storage tank and delivery system are also designed for Trona, but may 
not be suitable for hydrated lime because of lime’s strong tendency to solidify and plug up 
storage and conveyance systems. 

Step 3 (SO2): Evaluate Control Effectiveness of Remaining Control Technologies 

Wet scrubbers can achieve SO2 reduction efficiencies of 90 to 98 percent. Lime spray drying 
systems can achieve SO2 reduction efficiencies of 80 to 90 percent. Dry injection systems can 
achieve SO2 reduction efficiencies of 50 to 80 percent.  

Step 4 (SO2): Evaluate Impacts and Document the Results  

The most common wet scrubber for SO2 control from boilers is the limestone scrubber. This 
is usually accompanied by forced oxidation to convert the calcium sulfite from the scrubber 
discharge to calcium sulfate. The cost for a limestone scrubber/forced oxidation system was 
estimated using EPA’s CUECOST program. The total capital requirement was estimated to 
be approximately $75 million for all equipment, including limestone storage and handling. 
The detailed cost estimate is in Appendix B. This cost is economically infeasible.  

The cost for a lime spray dryer system was also estimated using EPA’s CUECOST program. 
The total capital requirement was estimated to be approximately $58 million for all 
equipment, including limestone storage and handling. The detailed cost estimate is in 
Appendix B. This cost is economically infeasible.  

Another wet control option would be to use a scrubber, such as a tray scrubber or a 
countercurrent packed bed, with a soluble sodium hydroxide scrubbing solution. This 
would have a lower capital cost than either of the lime systems, because fewer system 
components would be required. However, the reagent cost would be higher for sodium 
hydroxide than for limestone or lime. A more significant cost would be for rearranging the 
current emission control layout to incorporate a scrubber between the ESP and stack. The 
current configuration is shown in Figure 3.2. The ESP outlet is closely coupled to the stack. 
There is no room to insert additional control equipment without demolishing the existing 
stack, inserting a scrubber into the emission control train, and building a new stack. Given 
the site constraints, this may not be physically practical.  
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If there were a new layout that could retain the existing stack, the scrubber exhaust would 
have to be reheated above the dewpoint. This would require supplemental fuel, which 
would have a negative energy impact and would generate pollutants from the combustion 
of the reheat fuel. 

Another option would be to install a wet alkaline spray-tower scrubber following the ESP, 
together with a new stack compatible with the cold, wet flue gas. However, the scrubber 

 
 FIGURE 3.2 - NO. 11 POWER BOILER – ESP AND STACK  
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would require a large cross-sectional area to be effective, and there is not sufficient available 
space in the vicinity of the current stack to locate such a scrubber and stack combination. In 
addition, flue gas pressure in the ESP already runs slightly positive, and even a small 
increase in pressure drop between the ESP and the new stack could require modification or 
replacement of the ID Fan to avoid constraining boiler operation because of back-
pressuring.  

A cost estimate was available from October 2006 for a tray scrubber on a power boiler rated 
for 800,000 pounds of steam per hour at a similar facility. The installed cost for a similar 
scrubber for the No. 11 Power Boiler, adjusted for the difference in rated capacity and 
equipment cost escalation, is estimated to be $9.6 million. Assuming a 50 percent control 
efficiency and the current average emission rate of 185 pounds SO2 per hour, the 
cost-effectiveness of a tray scrubber would be about $24,000 per ton of SO2 removed. This 
does not include the cost for storage and preparation of the reagent or for treatment of the 
wastewater.  

For these reasons, a wet scrubber is considered to be both economically infeasible and 
technically impracticable. 

NOx  
NOx emissions consist primarily of “fuel NOx” and “thermal NOx.” Fuel NOx results from 
the oxidation of the nitrogen in the fuel. Thermal NOx results from oxidation of nitrogen in 
the combustion air. Increased combustion temperature and availability of oxygen promote 
the generation of thermal NOx. Increased fuel nitrogen content promotes the generation of 
fuel NOx. The coal and wastewater sludge fuels contain approximately three times the 
nitrogen content as the hog fuel, on a dry basis.  

The current system has two stages of combustion. The first stage uses under-fire air in 
which fixed carbon is burned on the traveling grates, see Figure 3.3. The second stage 
involves OFA, see Figure 3.4, and the combustion of hydrocarbons and carbon monoxide 
(CO) driven off the fuel on the grates. 

All the fuels are mixed and enter the boiler through one of several fuel spreaders, see 
Figures 3.5 and 3.6. The fuel is then spread onto a traveling grate where the fixed carbon is 
burned with under-fire air and the volatile hydrocarbons are driven off and burned above 
the grate with OFA.  
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 FIGURE 3.3 - NO. 11 POWER BOILER UNDERFIRE AIR 
 

 

 FIGURE 3.4 - NO. 11 POWER BOILER OVERFIRE AIR  
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 FIGURE 3.5 - NO. 11 POWER BOILER FUEL AS IT ENTERS THE BOILER 

 

 FIGURE 3.6 - NO. 11 POWER BOILER FUEL ON THE GRATE 

As stated previously the various solid fuels are already mixed before entering the boiler. 
Unlike larger boilers that only fire coal or utility boilers that burn pulverized coal in 
suspension, the fix carbon is burned on the grate and hydrocarbons are burned in a 
combustion zone above the grate. In addition, coal is typically a small portion of the total 
heat input, for example in 2006 coal averaged about 20 percent of the total heat input to the 
No. 11 Power Boiler. Finally, the combustion temperatures are low enough where most of 
the NOx formation is due to fuel nitrogen and not thermal NOx formation. 
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Step 1 (NOx): Identify All Available Retrofit Control Technologies  

The following NOx control technologies are available: 

• Selective catalytic reduction 
• Selected noncatalytic reduction 
• Low-NOx burners 
• OFA/staged combustion/good combustion practices 
• Flue gas recirculation 
• Natural gas reburn 
• Steam/water injection 
• Fuel limitation (derating the boiler) 

Step 2 (NOx): Eliminate Technically Infeasible Options 

SCR consists of injecting an ammonia or urea solution into the flue gas in the presence of a 
catalyst bed to chemically reduce the NOx compounds to elemental nitrogen and water 
vapor. SCR works in a temperature range of approximately 480 to 800 degrees Fahrenheit 
(°F). This technology has not been demonstrated on multiple-fuel spreader stoker boilers in 
the pulp and paper industry. There are several technical concerns with application of this 
technology. The catalysts are subject to poisoning and fouling. If located in the required 
temperature range, the catalyst would be upstream of the particulate control devices. The 
catalyst would be subject to fouling. Additionally, the catalyst would be exposed to sulfur 
(from the coal and wastewater sludge) and chlorine (from the hog fuel), which can poison 
catalysts. The catalyst would need to be located within the boiler, where the gas stream 
would be within the required temperature range. This would most likely require removal of 
some of the heat transfer surface, resulting in lowering the steam generation capacity of the 
boiler. An alternative would be to locate the SCR after the ESP. However, that would 
require demolition of the existing stack, installation of the SCR, and a new stack in a location 
that already has severe space restrictions. Depending on the physical size of the SCR system, 
it may not be possible to fit it and the new stack in the space available. Also, the temperature 
of the flue gas stream leaving the ESP is generally in the range of 300 to 350°F. This would 
need to be increased to the required range by heating by combustion of additional fuel. This 
would result in negative energy impacts (from the use of additional fuel) and environmental 
impacts (from the pollutants generated by the combustion of the additional fuel). Therefore, 
SCR is not considered technically feasible. 

Hot-side/dirty SCR s a common location for new coal fired utility boilers; however, such 
installations are not common for existing mixed fuel boilers such as the No. 11 Power Boiler. 
In fact in establishing presumptive BART for coal fired boilers, EPA concluded that add on 
controls such as SCR were not presumptive BART for any coal fired boilers except for 
cyclone fired boilers, which have much higher NOx emissions.  

Adding hot-side SCR to the No. 11 Power Boiler would be a complex task because of the 
existing structures and duct work. The estimated cost of adding SCR would be in the range 
of $160 million and would result in a cost of about $13,000 to remove a ton of NOx.  
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TABLE 3.4 
Add on Nox Controls Economic Analysis Summary 

NOx Control 
Parameter SNCR SCR 

TOTAL INSTALLED CAPITAL COST ($) 15,805,615 98,785,095 
FIRST YEAR O&M COST ($)   

Operating Labor ($) 35,007 175,625 
Maintenance Material ($) 70,014 351,250 
Maintenance Labor ($) 35,007 175,625 
Administrative Labor ($) 0 0 
TOTAL FIXED O&M COST 140,028 702,500 

Reagent Cost 127,272 260,112 
SCR Catalyst 0 131,276 
Electric Power Cost 35,649 35,649 
TOTAL VARIABLE O&M COST 162,922 427,037 
TOTAL FIRST YEAR O&M COST 302,949 1,129,537 

FIRST YEAR DEBT SERVICE ($) 2,250,364 14,064,775 
TOTAL FIRST YEAR COST ($) 2,553,313 15,194,312 

Power Consumption (MW) 0.1 0.1 

Annual Power Usage (kW-Hr/Year) 0.7 0.7 
CONTROL COST ($/Ton Removed)   

NOx Removal Rate (%) 25.0% 75.0% 
NOx Removed (Tons/Year) 382 1,146 
First Year Average Control Cost ($/Ton NOx Removed) 6,686 13,263 
   16,551 
PRESENT WORTH COST ($) 27,572,741 162,918,392 
O&M = Operations and maintenance 
MW = Megawatts 
kW-Hr/Year = Kilowatt-hour per year   

 

SNCR is similar to SCR, except that it takes place without the use of a catalyst. It works by 
injecting an ammonia or urea solution in a temperature window of approximately 1,600 to 
2,100°F. This technology has not been demonstrated on multiple-fuel swing load spreader 
stoker boilers in the pulp and paper industry. There are several technical concerns with 
application of this technology. It is critical to inject the ammonia in a location within the 
required temperature range.  

If the injection occurs at a location where the temperature is too low, excess unreacted 
ammonia (referred to as ammonia slip) is discharged to the atmosphere. Ammonia is a toxic 
substance. Care must be taken in handling ammonia and preventing leaks. Ammonia is a 
Class B Toxic Air Pollutant in the State of Washington (WAC 173-460-160). The ammonia 
slip can react with SO2 to create ammonium sulfates. These can contribute to corrosion and 
plugging within the boiler. If the injection occurs at a location where the temperature is too 
high, the nitrogen in the ammonia will be converted to NOx, thereby increasing the total 
NOx emission rate from the boiler.  
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SNCR has been applied to base load boilers, where the combustion process is steady and the 
location of the required temperatures within the boiler is well defined. However, boilers 
that are subject to wide swings in load are also subject to widely varying temperatures at 
any particular location within the boiler. The location of the required temperature range will 
change as the boiler load swings. The No. 11 Power Boiler is a swing load boiler, with 
frequent load swings of 100,000 to 150,000 lbs/hr in a 30-minute period, and occasional load 
swings as high as 200,000 lbs/hr during paper machine startup and shutdown. Therefore, it 
would be difficult to ensure that the ammonia or urea solution is always injected in the 
proper location and excess ammonia or NOx discharge could occur. Also, the solid fuels 
contain a significant amount of ash that reaches the melting point during combustion and 
builds up on the steam tubes as slag. This needs to be removed annually during shutdown. 
The buildup over the period of a year will affect the temperature profile through the boiler 
and would make it more difficult to identify ammonia or urea injection locations that would 
be optimum throughout the year. Additionally, the ammonia can react with sulfur or 
chlorine from the fuels to form very small diameter particulate. This particulate can form a 
visible plume.  

SNCR has been unsuccessfully tried on one similar pulp mill in Washington. Based on 
Ecology’s Statement of Basis (SOB) for Kimberley-Clark Worldwide Incorporated’s 
(KCWW) Title V permit, the No. 14 boiler was repermitted to avoid a chlorine plume 
(August 31, 2005). The SOB states the following: 

The repermitting was to prevent the unintentional formation of a 
visual plume from No. 14 which was condensing outside the stack 
and hence was not being picked up by the No. 14 COMS [continuous 
opacity monitoring system]. The plume was ammonium chloride salt, 
formed by the reaction of the ammonia being added to the stack for 
NOx control and chloride in the wood waste. The repermitting 
allowed KCWW to discontinue ammonia addition to No. 14, which 
solved the plume problem. Visual opacity has been minimal since 
that time. KCWW requested that this requirement be eliminated in 
the permit application and that the requirement for visual opacity 
readings under Method 9 only be required during those rare times 
when the COMS is not operating. Ecology agrees, the visual 
observation requirement has been eliminated from the order and 
permit by Order 1908.  

KCWW staff has confirmed that the SOB is correct and ammonia is no longer added to the 
No. 14 boiler for NOx control.  

Weyerhaeuser is doing what it can to minimize the chloride content of its fuel. For example, 
Longview does not receive fuel that has been shipped on salt water. However, in today’s 
market Weyerhaeuser must obtain wood and fuel from wherever it can and that includes 
coastal areas that tend to have much higher chloride content in the wood. Therefore, SNCR 
is not considered technically feasible.  

Flue gas recirculation (FGR) returns a portion of the flue gas to the combustion air. This 
reduces formation of thermal NOx by reducing the peak flame temperature and lowering 
the amount of oxygen in the combustion air. FGR is not effective on wood combustion 
because most of the NOx is thermal NOx (NCASI, 2003). Also, the lower area of the No. 11 
Power Boiler is narrower than most newer boilers and the ash from the boiler is very 



BART EXEMPTION MODELING REPORT, WEYERHAEUSER LONGVIEW 

WEYCO BART 30JUNE08.DOC 33 

erosive. Hence, there are concerns that FGR and the increased firebox flow rates and 
velocities will result in increased erosion rates of the boiler tubes, duct work, and fans.  

Low-NOx burners are used with liquid and gaseous fuels to stage the combustion process 
within the burner. The No. 11 Power Boiler is already equipped with low-NOx oil burners, 
but as described earlier, oil is only fired during limited circumstances and provides only a 
small fraction of the annual heat input to the boiler. Low-NOx burners are similarly used in 
pulverized coal-fired boilers, where the fuel and combustion air can be carefully mixed to 
achieve the desired air to fuel ratio in the burner. However, the spreader stoker feed 
mechanism on the No. 11 Power Boiler feeds fuel separately from where the bulk of the 
combustion air enters (undergrate and overfire air). Therefore, the low-NOx burner option 
is not technically feasible. 

Steam/water injection is used primarily with liquid and gaseous fuel burners to reduce the 
peak flame temperature. The hog fuel and wastewater sludge both have relatively high 
moisture contents on an as-fired basis. Adding more water would likely not result in any 
significant NOx reduction, but would cause an increase in CO emissions. Therefore, the 
steam/water injection option is not technically feasible. 

Fuel limitation, or derating of the boiler, would only result in the transfer of the required 
steam generation, and the resulting emissions from the combustion of fuel, to another onsite 
boiler. Also, it would affect the ability of the mill to manage the wastewater sludge though 
combustion and would require an increase in the amount of sludge disposed of at a landfill. 
Therefore, the fuel limitation is not considered to be technically feasible. 

Step 3 (NOx): Evaluate Control Effectiveness of Remaining Control Technologies 

OFA/staged combustion and natural gas reburning can achieve NOx reductions in the 
range of 35 to 50 percent.  

The recently installed an OFA system improvements did not undergo BACT analysis. Based 
on information in the literature and from the OFA system vendor regarding similar projects 
at comparable boilers, the OFA system was projected to provide an overall NOx emission 
decrease. BACT analysis was not required, because the No. 11 Boiler Upgrade Project did 
not cause either a significant increase in emissions of any PSD pollutant, or a short term 
peak emission rate increase for any air pollutant subject to Washington’s New Source 
Review requirements. A Notice of Construction Application was submitted and approved 
for the project, but this application was for installation of new emission controls 
(electrostatic precipitator) which improved control of particulate and sulfur dioxide 
emissions.  

The purpose of the new OFA system was to improve the system’s ability to deliver OFA 
into the combustion zone of the boiler. The old system delivered OFA through a large 
number of relatively small air ports in the sidewalls at two elevations in the boiler. These 
ports were ineffective at delivering air to mix with the uncombusted fuel rising up the 
center of the firebox, because the many small air ports did not provide the momentum 
necessary to penetrate the center of the combustion zone. OFA tended to channel up the 
sides of boiler, without providing the desired oxygen distribution or air to fuel mixing. As a 
result, little of the air was directed to the OFA ports.  
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The new system, designed and installed by Jansen, utilizes fewer, larger air ports equipped 
with jet nozzles capable of forcing overfire across the width of the boiler, providing effective 
mixing and delivering air to where it is needed in the core of the firebox.  

The Boiler Upgrade project was completed in September, 2006. Since then, boiler operations 
staff have continued efforts to optimize the boiler’s combustion system performance to meet 
targets for increased boiler utilization (offsetting natural gas firing in other boilers), 
improving response to steam demand swings, and improving NOx emission performance.  

New system performance summary:  

OFA Flow: 
Pre-Project Baseline OFA Flow:       44,000 lbs/hr 
Post-Project OFA Flow:      140,000 lbs/hr 

NOx Performance: 
Pre-Project Baseline:       0.53 lb/MMBtu 
Projected post-project emissions rate:    0.40 lb/MMBtu 
2007 actual, First full year after project completion:   0.51 lb/MMBtu 
2008 actual, Year to date, through 5/28/08:    0.43 lb/MMBtu 
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Step 4 (NOx): Evaluate Impacts and Document the Results 

Natural gas reburning consists of burning natural gas in a secondary combustion zone 
downstream of the primary combustion zone. This creates a chemically reducing 
atmosphere. This reduces the NOx formed in the primary zone to nitrogen. This requires 15 
to 25 percent of the boiler fuel input to be supplied by natural gas. The cost-effectiveness of 
this alternative is estimated to exceed $10,000 per ton of NOx reduced. This is not 
economically feasible. In addition, the boiler would be subject to NSPS Subpart Db, which 
imposes prorated emission standards for NOx and SO2. The prorated standards become 
more stringent as the natural gas fuel heat input increases in relation to total fossil fuel heat 
input. It is unlikely that the No. 11 Power Boiler could achieve the more stringent 
performance standards while firing natural gas together with the existing fuel mix, so this 
option is not technically feasible.  

In the reburning process, primary combustion occurs low in the combustion zone in a fuel-
rich environment and secondary combustion takes place above the combustion zone with 
additional combustion of air and fuel. Hence natural gas reburning must have OFA and 
staged combustion. As described previously, the No. 11 Power Boiler already practices a 
level of staged combustion in which fixed carbon is burned on the traveling grate in a fuel-
rich environment and volatile hydrocarbons are burned above the grate in a secondary 
combustion zone in an oxygen-rich environment, very much like what would happen with 
natural gas reburning. Therefore, it is not likely that reburning would have its maximum 
reduction of about 50 percent.  

Weyerhaeuser is also concerned about possible NSPS-emission-limit implications of firing 
natural gas in the No. 11 Boiler. The Boiler is subject to NSPS Subpart D, with NOx emission 
limits prorated based on the relative fuel heat input of liquid and solid fossil fuels fired 
(fuel, oil, and coal). When co-firing fuel oil and coal at the same time, the limit is calculated 
as: 

Performance Standard = (0.30y + 0.70z)/(y + z) 

Where: y = percentage of total fuel heat input from liquid fossil fuel 

 z = percentage of total fuel heat input from solid fossil fuel or solid fuel 

There is some question of whether adding natural gas burners to the boiler would trigger 
NSPS standards for natural gas firing. However, a plain reading of NSPS Subpart D 
suggests that if natural gas were fired in this boiler, that is subject to Subpart D, then the 
NOx emission limit would be prorated as follows: 

Performance Standard = (0.20x + 0.30y + 0.70z)/(x+y+z) 

Where:  x = percentage of total fuel heat input from gaseous fossil fuel 

 y = percentage of total fuel heat input from liquid fossil fuel 

 z = percentage of total fuel heat input from solid fossil fuel 

Under conditions where the boiler were firing wood, sludge, and a small amount of coal, if 
there were a substantial heat input from natural gas, the resulting emission standard would 
approach 0.20 lb/MMBtu. This would be unattainable given the boiler’s overall fuel mix.  
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As described in the text, natural gas reburning requires that about 20 percent of the heat 
input be supplied by natural gas and that reburning can be expected to reduce NOx 
emissions by about 35 percent. As shown in Appendix B, an EPA Combined Heat and 
Power Partnership study estimated the costs of biomass fuels to be about $2 per MMBtu and 
natural gas to be about $6 per MMBtu. Table 3.5 shows that the fuel cost alone would result 
in a cost of over $9,000 per ton of NOx removed. This does not include the cost of modifying 
the boiler, nor does it consider economic and environmental trade-offs between burning 
greenhouse gas neutral biomass versus greenhouse gas generating natural gas.  

TABLE 3.5 
Natural Gas Re-burning 

Inputs  Value Units 
 Total heat input 750 MMBtu/hour 
 Biomass Fuel Cost 2 $/MMBtu 
 Natural Gas Cost 6 $/MMBtu 
 Reburning NOx Removal Efficiency  35%  

Calculations   
 Net Cost of Natural Gas 4 $/MMBtu 

 20 percent of Heat Input 150 MMBtu/hour 
 Natural Gas Cost 600 $/hour 
 NOx Emission Rate 0.5 lb/MMBtu 

  375 lbs/hour 
 NOx Removal Rate 0.0656 ton/hour 
 Fuel Cost per Ton of NOx Removed 9,143 $/ton 

NOx = nitrogen oxides 

 

OFA and staged combustion are currently used. The basic design of a spreader stoker boiler 
incorporates both. The OFA ports were revised recently, through the use of a computational 
fluid dynamics modeling process, to optimize performance. The distribution of air between 
the undergrate air and OFA is also optimized to minimize NOx formation. It is proposed 
that the current OFA and staged combustion arrangement with the optimization of the 
combustion air distribution be considered BART.  
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4. Visibility Impact Analysis  

As required by the modeling protocol document, the modeling domain included the 
Columbia River Gorge National Scenic Area and all mandatory Class I areas within 300 km 
of the Weyerhaeuser plant. Figure 4.1 shows the areas that were modeled for visibility 
impact. The stack parameters and emission rates used in the modeling are presented in 
Tables 4.1 and 4.2, respectively.  

As required by the modeling protocol, the model estimated the visual impacts in the 
selected Class I areas for 2003, 2004, and 2005. The visual impacts caused by Weyerhaeuser 
were calculated in terms of delta deciview, or change in deciview as compared to 
background conditions caused by emissions from the plant. This calculation was performed 
for each day of each year at receptors located in each Class I area. The daily impacts caused 
by Weyerhaeuser were then ranked from highest to lowest impact for each Class I area.  

The 98th percentile impact was determined by selecting the eighth highest day for each 
modeled year. Table 4.3 shows the 8th highest day impacts for each modeled area. 
Weyerhaeuser’s highest modeled impacts were in Mount Rainer National Park, with a 
0.973 deciview impact in 2004 for the 8th highest day. This value is greater than 
0.5 deciview, which is considered the threshold for contributing to regional haze. Therefore, 
Weyerhaeuser’s Longview facility may be a contributor to regional haze in a Class I area 
and is subject to further BART requirements. 

The modeling protocol uses an ammonia background level of 17 parts per billion (ppb) for 
the entire region. This value is supported only by measurements made in 1996 and 1997 at 
Abbotsford in the Frazier River Valley of British Columbia. To evaluate the effects of the 
assumption of a 17-ppm background level, the model was run again using a background 
level of 1 ppb ammonia. The results are summarized in Table 4.4. Table 4.5 shows that use of 
a lower ammonia background level results in a lower model visual impact ranging from 4 to 
37 percent, with modeled impacts only marginally above the 0.5 deciview “contribution” 
threshold at some Class I areas.  

TABLE 4.1 
Stack Parameters 

Stack Properties Units No. 10 Boiler 
Smelt 

Dissolver No. 11 Boiler 

Diameter (Stack Inside Diameter) feet 14 8 11.625 
Temperature  °F 373 163 306 
Flow rate  ACFM 513,155 38,865 337,806 
Stack height, elevation feet 267.5 217.5 141.58 
Stack base, elevation feet 17.5 17.5 18.00 
Stack height above grade feet 250.0 200.0 123.6 
Location longitude 122°59'1"W 122°59'2"W 122°59'7"W 
 latitude 46°07'53"N 46°07'52"N 46°07'47"N 
ACFM = actual cubic feet per minute 
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FIGURE 4.1 CALPUFF DOMAIN 
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TABLE 4.2 
Emission Model Input Data 

BART Unit 
NOx 

(lbs/hr) 
SO2 

(lbs/hr) 
TSP 

(lbs/hr) 
EC 

(lbs/hr) 
PMF 

(lbs/hr) 
PMC 

(lbs/hr) 
CPM 

(lbs/hr) 
SOA 

(lbs/hr) 
SO4 

(lbs/hr) 
NSIA 

(lbs/hr) 

Total 
PM10 

(lbs/hr) 

Date 6/8/03 11/27/04 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 6/17/03 06/17/03 

No.11 Power Boiler 426 344 63 9 31 8 15 12 3 0 63 

No.10 Recovery Boiler 222 2 15 0 7 3 12 2 4 6 22 

Smelt Dissolver Na Na 5 0 4 0 1 0 0 1 6 

Sum 648 346 83 9 43 11 28 14 8 6 91 

NOx = Nitrogen oxides 
SO2 = Sulfur dioxide 
TSP = Total Suspended Particulate, also known as "front half catch". Emission rates calculated from quarterly source test emission factors and daily production rates. 
EC = Elemental Carbon; filterable PM2.5. present as elemental carbon. 
PMF = Fine Particulate Matter; Filterable particulate < PM2.5, excluding. 
PMC = Coarse Particulate Matter; Filterable PM10 > PM2.5. 

CPM = Condensable Particulate Matter, also known as "back half catch. Emission rates calculated from quarterly source test emission factors and daily production rates. 
SOA = Secondary Organic Aerosol; CPM present as organic compounds. 
SO4 = Sulfate; CPM present as sulfur oxides. 
NSIA = Non-SO4 Inorganic Aerosol; CPM that is neither organic or sulfate. 

"Total PM10" includes both filterable PM10 (EC, PMF, and PMF) and CPM (SOA, SO4, and NSIA). 
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TABLE 4.3 
8th Highest Deciview Change Each Year 

Class I Area 2003 2004 2005 
Maximum 

8th Highest 

Mount Adams Wilderness 0.433 0.440 0.436 0.440 

Alpine Lakes Wilderness 0.274 0.513 0.398 0.513 

Diamond Peak Wilderness Area 0.203 0.224 0.148 0.224 

Glacier Peak Wilderness 0.214 0.287 0.206 0.287 

Goat Rocks Wilderness 0.384 0.535 0.457 0.535 

Columbia Gorge Scenic Area 0.809 0.662 0.637 0.809 

Mount Hood Wilderness 0.725 0.677 0.628 0.725 

Mount Jefferson Wilderness 0.440 0.375 0.287 0.440 

North Cascades National Park 0.127 0.223 0.227 0.227 

Olympic National Park 0.470 0.654 0.638 0.654 

Mount Rainier National Park 0.540 0.973 0.572 0.973 

Three Sisters 0.340 0.361 0.257 0.361 

Mount Washington National Park 0.303 0.345 0.229 0.345 

Note: Maximum value is the highest 8th high in the 3 years modeled. 

 

TABLE 4.4 
8th Highest Deciview Change Each Year Assuming 1 ppb Ammonia Background 

Class I Area 2003 2004 2005 
Maximum 

8th Highest 

Mount Adams Wilderness 0.383 0.404 0.406 0.406 
Alpine Lakes Wilderness 0.241 0.482 0.335 0.482 
Diamond Peak Wilderness Area 0.135 0.166 0.101 0.166 
Glacier Peak Wilderness 0.162 0.252 0.205 0.252 
Goat Rocks Wilderness 0.300 0.512 0.382 0.512 
Columbia Gorge Scenic Area 0.527 0.578 0.473 0.578 
Mount Hood Wilderness 0.564 0.510 0.531 0.564 
Mount Jefferson Wilderness 0.323 0.304 0.198 0.323 
North Cascades National Park 0.117 0.198 0.195 0.198 
Olympic National Park 0.392 0.555 0.428 0.555 
Mount Rainier National Park 0.476 0.606 0.487 0.606 
Three Sisters 0.258 0.224 0.175 0.258 
Mount Washington National Park 0.240 0.221 0.149 0.240 

Note: Maximum value is the highest 8th high in the 3 years modeled. 



BART EXEMPTION MODELING REPORT, WEYERHAEUSER LONGVIEW 

42 WEYCO BART 30JUNE08.DOC 

 

TABLE 4.5 
Difference Between 17 ppb and 1 ppb Ammonia 

Class I Area 
MAX at 17 
ppb NH3 

MAX at 1 ppb 
NH3 

Percent 
Difference 

Mount Adams Wilderness 0.440 0.406 7.7% 

Alpine Lakes Wilderness 0.513 0.482 6.0% 

Diamond Peak Wilderness 0.224 0.166 25.9% 

Glacier Peak Wilderness 0.287 0.252 12.2% 

Goat Rocks Wilderness 0.535 0.512 4.3% 

Columbia Gorge Scenic Area 0.809 0.578 28.6% 

Mount Hood Wilderness 0.725 0.564 22.2% 

Mount Jefferson Wilderness 0.440 0.323 26.6% 

North Cascades National Park 0.227 0.198 12.8% 

Olympic National Park 0.654 0.555 15.1% 

Mount Rainier National Park 0.973 0.606 37.7% 

Three Sisters Wilderness 0.361 0.258 28.5% 

Mount Washington Wilderness 0.345 0.240 30.4% 

 



 

WEYCO BART 30JUNE08.DOC 43 

Works Cited 

Federal Register. July 6, 2005. 40 CFR Part 51: Regional Haze Regulations and Guidelines for 
Best Available Retrofit Technology (BART) Determinations; Final Rule. 70 Federal Register, 
39103-39172, July 6, 2005. 

Modeling Protocol for Washington, Oregon, and Idaho: Protocol for the Application of the 
CALPUFF Modeling System Pursuant to the Best Available Retrofit Technology (BART) 
Regulation.  

Someshwar, Arun; Jain, Ashok. NCSAI, August 2003. Forest Products Industry Boilers: A 
review of Technologies, Costs, and Industry Experience, Special Report No. 03-04. 

U.S. Environmental Protection Agency. Air Pollution Control Cost Manual, Sixth Edition. 
EPA/424/B-2-001. January, 2002. 

U.S. Environmental Protection Agency. RACT, BACT, LAER Clearinghouse. 

Washington State Department of Ecology. June 12, 2007. Guidelines for Best Available Retrofit 
Technology (BART) Determinations under the Regional Haze Rule. 

Washington State Department of Ecology. Ecology-ordered prevention of significant 
deterioration (PSD) permit (PSD92-03 Amendment 4). 


